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Abstract 
The carbon mitigation benefits and economics are described for alternative coal energy conversion options for which 
CO2 is captured and sold for enhanced oil recovery (EOR).  Both the CO2 capture cost and internal rate of return on 
equity (IRRE) are considered as economic metrics. Post-combustion, oxycombustion, and pre-combustion capture 
options are considered for power generation, and pre-combustion capture options are also considered for making 
synthetic gasoline and for coproducing gasoline and electricity. In addition, coprocessing some biomass with coal is 
considered for plants coproducing gasoline and electricity. 
Findings for prospective crude oil prices are that: (i) the most profitable options using only coal are systems 
providing synthetic gasoline; (ii) systems coproducing electricity + gasoline are more profitable than any systems 
providing only electricity; (iii) options coprocessing some biomass will become the most profitable options at high 
GHG emission prices, and (iv) gasoline and coproduction plants, even sited remotely from CO2 EOR market 
opportunities, are likely to be competitive in EOR markets if an adequate CO2 pipeline infrastructure were in place; 
(v) coal/biomass systems coproducing gasoline + electricity are likely to be more profitable coal/biomass systems 
making gasoline for crude oil prices less than $75/barrel.  
1. Introduction 
CO2 EOR is well established technology in the US: about 60 million tonnes of CO2 are used annually in 
114 projects to produce 380,000 barrels/day of crude oil about 6% of total US crude oil production. 
Most CO2 currently used for enhanced oil recovery (EOR) comes from natural sources. A report prepared 
by the National Coal Council (NCC) at the request of US Energy Secretary Chu on CO2 storage via EOR 
for coal energy conversion [1] argues that using anthropogenic CO2 captured at coal energy conversion 
plants could lead to a substantial increase in US crude oil production via EOR and that the economic 
value of CO2 in these markets could be used to help offset the CO2 capture cost. The analysis presented 
here represents an extension of analysis by the author in that NCC report.  
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A National Energy Technology Laboratory report [2] provides a helpful context for the present analysis. 
That NETL report estimated that the potential economic and technical demands for anthropogenic CO2 to 
increase crude oil production in the US via next-generation CO2 EOR technology are 18 and 43 billion 
tonnes of CO2, respectively.  If the technical potential could be converted, via R&D and field experience, 
into a realizable potential it would represent 27 years of CO2 storage at the current level of coal power 
generation via integrated gasifier combined cycle (IGCC) plants suggesting a significant potential for 
delaying widespread CO2 storage in deep saline formations in the US. The extent to which this theoretical 
potential can be converted into a realizable potential depends sensitively on the prospective economics of 
coal energy conversion with captured CO2 used for EOR.     
2. Approach 
The present analysis discusses, for alternative coal energy conversion options involving CO2 capture, the 
economics of CO2 EOR as a function of EOR market conditions and conversion plant location relative to 
the EOR market.  Both the CO2 capture cost and internal rate of return on equity (IRRE) are considered as 
economic metrics, and the IRRE analysis is carried out for market conditions both without and with a 
carbon mitigation policy in place. Post-combustion, oxycombustion, and pre-combustion capture options 
are considered for power generation. Pre-combustion capture options are also considered for making 
gasoline via the methanol to gasoline (MTG) process and for coproducing gasoline and electricity. In 
addition, coprocessing some biomass with coal is considered for plants coproducing gasoline and 
electricity. Altogether, four MTG options are considered in the present analysis (see Table A1). Economic 
analyses for all nine energy conversion options listed in Table A1 were carried out for the fuel price and 
financing assumptions in Table A2.   
The metric chosen for measuring GHG emissions mitigation for an energy system investigated is the 
GHG gas emissions index (GHGI), first introduced in [3] and defined as the ratio of fuel cycle wide GHG 
emissions for energy production and consumption of the energy products divided by the fuel cycle wide 
emissions of the fossil energy displaced. In this metric it is assumed that the electricity displaced is that 
from a new supercritical coal plant venting CO2 and that the liquid fuels displaced are the equivalent 
crude oil-derived products.  For the present analysis GHG emissions arising outside plant boundaries are 
based on use of the GREET model [4].    
The MTG and IGCC options are based on detailed modeling of energy and mass (including carbon) 
balances and costs carried out using Aspen Plus and economic modeling tools for coal to gasoline (CTG), 
coal/biomass to gasoline (CBTG), and IGCC systems in [5]. Both MTG systems designed to maximize 
e considered.  
The energy output capacities for the four MTG options listed in Table A1 were constructed as follows. 
The scaling algorithms begin with the assumption that the annual biomass input rate for a CBTG plant is 
1 million tonnes (dry) per year a practical maximum value for biomass that is hauled by truck [6]. The 
CBTGcoprod-24% (24% biomass, HHV basis) option (see Fig. 1a) was designed as a linear combination of 
CTGcoprod (see Fig. 1b) and CBTGcoprod-29% options [each of which (having a liquid fuel output capacity 
of 14,900 barrels/day or bbls/d of gasoline equivalent) was fully modeled in terms of energy balances and 
costs in [5]] with a biomass input percentage that would give rise to GHGI = 0.17. Likewise, the 
CBTGmax-39% option was designed as a linear combination of the fully modeled 13,800 bbls/d CTGmax 
(see Fig. 1c) and CBTGmax-46% options with a biomass input fraction that would give rise to the same 
GHGI as for CBTGcoprod-24%  ( 0.17). The CTGcoprod option was designed to have the same liquid fuel 
output capacity as CBTGcoprod-24%.  
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The scales for both CTGmax and IGCC were chosen so that these two options would have the same capital 
coprod option, to facilitate a 
prospectiv -only options with equal capital costs is the 
most attractive from her perspective.  
For the other power-only options listed in Table A1, capacities and costs were as reported in the literature, 
except that financing and fuel costs are those presented in Table A2, the same as for the economic 
analysis of the MTG and IGCC options which were fully modeled.  
The post-combustion capture option chosen for this analysis involves the retrofit of an existing subcritical 
pulverized coal plant that uses an amine scrubber an option that involves a very high energy penalty for 
CO2 capture (36% more coal is needed per MWh than for the same plant before the retrofit). This option 
was included in the analysis because: (i) the capital required for a retrofit is much less than for a 
greenfield plant, and (ii) the NCC report [1] indicated prospectively favorable economics for plants 
retrofitted with capture equipment that use captured CO2 for nearby EOR opportunities. The analysis for 
this case is based on [7] except that the capital cost is instead taken to be 1.3 X the capital needed for a 
new subcritical coal plant with post-combustion capture beyond the capital cost for the vent version of 
same based on [8], as recommended to the NCC report authors by [9]. 
relative to a new supercritical coal plant venting CO2 could be eliminated and that this option would be 
characterized by a low capture cost.  
Finally, a natural gas combined cycle plant venting CO2 (NGCC-V) based on [8] is included in the 
analysis because such plants are the major competitors facing coal today, and it is desirable to understand 
the conditions under which some of the coal conversion options considered might represent more 
profitable investment opportunities than NGCC-V plants.  
3. Selling and Buying CO2 
One important economic metric for assessing the viability of alternative CO2 capture options in CO2 EOR 
applications is the CO2 
CO2 at the plant gate. For power only systems the capture cost is defined as:  
 LCOE (for same system with CO2 vented)]/(capture rate), 
where LCOE = levelized cost of electricity (in $/MWh), which is calculated at zero price on GHG 
emissions for an assumed 10%/year real rate of return on equity (see Table A2) and the capture rate is 
measured in tonnes/MWh of electricity generated. In calculating the LCOE with capture, the cost of 
compressing the CO2 removed from the system to 150 bar is included but costs for CO2 transport and 
storage are not included. For the MTG systems, the capture cost is defined instead as: 
 LCOF (for same system with CO2 vented)]/(capture rate), 
where LCOF = levelized cost of fuel (gasoline) (in $/GJ) and the capture rate is measured in tonnes/GJ of 
fuel produced.  
Another important metric for assessing the viability of alternative CO2 capture options in CO2 EOR 
applications is the estimated purchase price for CO2 at the plant gate, which might be considered as a 
2 at the plant gate. The plant-gate purchase price for CO2 = 
(Purchase price at the EOR site for pressurized CO2)  (CO2 transport cost), both measured in $ per tonne 
of CO2.      
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Although CO2 purchase prices at EOR sites are not posted, one study [11] indicated that during 2008-
2011 the market CO2 price (in $ per thousand standard cubic foot) for enhanced oil recovery at the 
Denver City, Texas and 3.3% of the West Texas Intermediate crude oil price 
(in $/barrel). This correlation can be restated as a price in $/tonne as 26.5% to 62.4% of the crude oil 
price, or 44.4% at midrange. The latter is assumed for all cases in this analysis. 
4. The World Oil Price 
The profitabilities for capture options depend sensitively on the crude oil price. The IRRE calculations 
presented in the next section were carried out for crude oil prices of $115 and $70 per barrel which 
might be considered as representing a reasonable range of prices levelized over the 20-year assumed 
economic lifetimes for the capture plants considered here. The high price is the levelized crude oil price 
over the period 2016-
Reference Scenario in Annual Energy Outlook 2012 [12]. The low price is based on the view expressed in 
[13] that over the next decade or so there is likely to be an oil glut worldwide as long as the oil price does 
not fall below $70 per barrel. 
5. Findings 
5.1. Capture Cost 
Fig. 2 presents capture costs for the 10 coal-only energy conversion options investigated in [1] and 
prepared for that report by the author; these capture cost values are slightly different from those presented 
in [1] because the fuel cost and financing assumptions for the current analysis (see Table A2) are slightly 
different.  
The arrows indicate the four capture options described above that were selected for the more detailed 
analysis here. Three of these (CTGmax, CTGcoprod, and advanced oxycombustion) warrant close attention 
because their capture costs are quite low suggesting these would be quite attractive options for EOR 
applications. However, among these options the very attractive capture costs are realizable in very 
different time periods. The advanced oxycombustion option (which involves use of an oxygen transport 
membrane instead of a cryogenic air separation unit for O2 production) depends on success of much 
future R&D for its realization, so that this option is not likely to become available commercially for 
decades.  In contrast the indicated capture costs for the CTGmax and CTGcoprod options are likely to be 
realizable with Nth of a kind (N ~ 5 [1]) versions of current technologies because all system components 
are proven commercially.  Low capture costs for these options arise because whenever synthetic fuels or 
synthetic fuels + electricity are made via gasification nearly all of the CO2 in the shifted synthesis gas 
upstream of the synthesis reactor must be removed as a pure stream from the syngas before it enters the 
synthesis reactor as an inherent part of the synthesis process.  This CO2 removal is charged not to the 
CO2 requires only compressing it to perhaps 150 bar for delivery to a pipeline and ultimate underground 
disposal a process that is far less costly than capturing CO2 at any fossil fuel power plant based on 
technologies that are commercial or near commercial. 
The capture cost suggests what technologies might be interesting economically but a more meaningful 
metric for investors is the IRRE discussed in the next two subsections. 
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5.2. Deployment in the Absence of a Carbon Mitigation Policy 
Figs. 3a ($115/bbl crude oil price) and 3b ($70/bbl crude oil price) show the IRRE vs the CO2 transport 
cost in the absence of a GHG emissions price. These figures show that CTGmax is the most profitable coal 
option followed by CTGcoprod both of which are much more profitable than any of the power-only coal 
options.  Moreover, the CTG options are likely to be quite profitable even for plants remotely sited from 
EOR opportunities if there is an adequate CO2 pipeline capacity in place [1].  
Among power-only options the post-combustion retrofit is the most profitable
only for nearby EOR opportunities. That, despite its high energy penalty for capture, the post-combustion 
retrofit is more profitable than the advanced oxycombustion option arises as a result of its being a retrofit, 
for which capital costs for capture are much less than for new construction.  The advanced 
oxycombustion option deployed as a retrofit (not considered here) would probably be more attractive than 
the new construction option considered here. 
Figs. 3a and 3b also show the IRRE for NGCC-V systems at two capacity factors: an 85% design capacity 
factor and a 38% capacity factor that was the US average for combined cycle plants over the 2003-2009 
(see Fig. 4). The low capacity factor in that period arose as a result of economic dispatch competition 
with coal power.  Recent low US natural gas prices and expectations of widespread coal power plant 
retirements enable higher CFs for NGCC-V. But if in the future there is substantial electricity/liquid 
transportation fuel coproduction capacity on the electric grid, these plants would be able to force down 
NGCC-V capacity factors (plausible to levels in the 2003-2009 period) in economic dispatch competition 
as the capacity of such plants on the grid increases* thereby making it possible for such plants to 
become, under typical conditions, as profitable as or more profitable than NGCC-V plants. 
To the extent that CTGcoprod electricity displaces NGCC-V electricity there would also be a significant 
carbon mitigation advantage avoiding about twice as much GHG emissions per MWh, assuming that 
both the NGCC-V plant and the CTGcoprod plant displace electricity that would otherwise have been 
provided by a supercritical coal plant venting CO2.   
The prospects of a CTGcoprod 
than a NGCC-V unit in a world without a carbon policy constraint are striking and counterintuitive 
findings, but these outcomes are constrained by the higher rate of profit for CTGmax, which would tend to 
drive investors to this option instead of CTGcoprod. 
5.3. Deployment Under a Carbon Mitigation Policy 
Figs. 5a ($115/bbl crude oil price) and 5b ($70/bbl crude oil price) show the IRRE vs GHG emissions 
 
* In economic dispatch competition a power generator would bid to sell electricity into the grid as long as revenue per MWh is 
greater than the short run marginal cost. Coproduction plants will almost always be able to beat any power only plant in economic 
dispatch competition 
cost  - (economic value of the liquid transportation fuel generated as a coproduct). For the CTGcoprod option the minimum dispatch 
cost is negative down to a crude oil price of $36/bbl.    
 Per MWh of electricity generated the GHG emissions avoided = (1  GHGI)*(GHG emission rate for the fossil energy displaced). 
Although the GHGI values are very similar for these two systems (0.56 and 0.57 for NGCC-V and CTGcoprod, respectively see 
Table A1), the fossil energy displaced is quite different for this two systems. Generating 1 MWh of NGCC-V electricity displaces 
only 1 MWh of supercritical PC-V electricity but generating 1 MWh of CTGcoprod electricity displaces 1 MWh of supercritical PC-V 
electricity + 9.0 GJ/MWh and 0.96 GJ/MWh of gasoline and LPG, respectively, that are derived from crude oil. Overall, the 
CTGcoprod option displaces 2.1 times as much GHG emissions per MWh as does NGCC-V. 
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price assuming a CO2 transport cost of $20/t i.e., assuming energy conversion sites that are typically 
remote from CO2 EOR sites [1]. When a price is introduced on GHG emissions it makes sense to add to 
the mix of options those that coprocess biomass the CBTGcoprod-24%  and CBTGmax-39% options 
because they become quite profitable at high GHG emissions prices despite the high expected price of 
biomass compared to coal. 
A striking feature of the CBTG curves is that they are quite close together with the CBTGmax-39% 
option being slightly more profitable at a crude oil price of $115/bbl and the CBTGcoprod-24% being more 
profitable at $70/bbl. The two curves would be coincident at a crude oil price of $77/bbl.  
The two CBTG curves being close to one another arises from the facts that: (i) a larger biomass fraction 
of feed is needed to realize the targeted GHGI = 0.17 for the CBTGmax-39% option, and (ii) the total 
amount of biomass delivered to the site is fixed at 1 million tonnes per year. As a result, substantial scale 
economies are being exploited in the CBTGcoprod-24% case. The coal processing rate for the CBTGcoprod-
24% is twice that for CBTGmax-39%.  Moreover, the CBTGcoprod-24% liquid fuel output is actually greater 
than that for CBTGmax-39% while its electric power output is 27 times as large. 
CBTGcoprod-24% becomes the most profitable of all the synfuel options with the combination of a strong 
carbon mitigation policy (GHG emissions price > $65/t CO2eq) and a relatively low oil price ($70/bbl). 
Moreover, CBTGcoprod-24% becomes more profitable than NGCC-V-38% CF at this oil price for GHG 
emissions prices > $45/tCO2eq.  
Finally, the CBTGcoprod-24% coproduction option would also enable the production of much more low 
net-carbon liquid fuels from a given amount of biomass than is feasible with biofuels an important 
consideration in dealing with the various constraints on biomass availability for energy production [15]. 
The liquid fuels produced from this system would have GHGI = 0.17, the same as for cellulosic ethanol 
derived from the same assumed feedstock (switchgrass) [3]. But for CBTGcoprod-24% only 0.7 GJ of 
biomass is needed to produce 1 GJ of liquid transportation fuel (see Table A1), whereas for cellulosic 
ethanol 2.5 GJ of biomass is needed to produce 1 GJ of liquid transportation fuel [3]. 
The major challenges for advancing the coal/biomass coproduction concept with CCS are likely to be 
institutional addressing the challenges of simultaneously serving three very different commodiy markets 
(electricity, transportation fuels, and CO2) and managing both coal and biomass simultaneously in the 
production process. 
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Figure 1: Some alternative methanol to gasoline system configurations that capture CO2. Fig. 1c (top): CTGmax, a 
coal-only system designed to maximize gasoline output. Fig. 1b (middle): CTGcoprod, a coal-only system designed to 
generate electricity as a major coproduct. Fig. 1a (bottom): CBTGcoprod, a coal/biomass system designed to generate 
electricity as a major coproduct. 
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Figure 2:  CO2 Capture Costs and CO2 Purchase Prices for Alternative Coal Conversion Options. Based on the CO2 
capture cost analysis in [1], except that these capture costs are slightly different because they are based on slightly 
different fuel prices and financing assumptions presented in Table A2.   
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Fig. 3a and 3b: Internal rate of return on equity (IRRE) vs CO2 transport cost for energy systems from Table A1; 
systems capturing CO2 sell it for EOR; 
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Fig. 4: Historical US Average Capacity Factor (CF) for NGCC-V [14]. 
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Fig. 5a and 5b: Internal rate of return on equity (IRRE) vs GHG emissions price for energy options from Table A1; 
systems capturing CO2 sell it for EOR. 
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Appendix: 
 
 
Table A1: Key Features of Alternative Investment Options (all coal-consuming options with CCS) 
 
 
Table A2: Assumed feedstock prices and financial assumptions 
Parameter Value 
Levelized coal price for US average power generators (EIA, 2012), 2016-2035 ($/GJHHV) 2.27 
Levelized natural gas price for US average power generators (EIA, 2012), 2016-2035 ($/GJHHV) 4.84 
Price of biomass delivered to conversion plants ($/GJHHV) 5.0 
Annual average capacity factor (CF) for plants making synfuels 90% 
Annual average CF factor for power plants  85% design CF, but actual CF determined in economic dispatch 
Economic life of energy conversion plants (years) 20 
Construction time for energy conversion plants (years)  3 
Annual O&M costs  [as % of TPC (total plant cost)] 4.0 
[O  0.228 (0.203) 
Corporate income tax rate, % per year 39.2% 
Property tax & insurance (PTI) as % of TPC assuming zero inflation 2.0 
Debt/equity ratio 55/45 
Real (inflation-corrected) rate of return on debt, %/y 4.4 
Real (inflation-corrected) rate of return on equity, %/y From internal rate of return on equity (IRRE) calculation  except 10%/y for capture cost calculations  
Selling prices for synfuels  Refinery-gate price of  equivalent crude oil-derived products 
Annual average baseload electricity selling price  $60/MWh + value of GHG emissions of NGCC-V plant 
Annual average electricity selling price from NGCC operated at low CFs  $72/MWh + value of GHG emissions of NGCC-V plant 
Vintage of dollars for all economic calculations 2007 
 
 
Technology   
Biomass 
Rate, 106 t/y 
(biomass 
input/liquid 
fuel output) 
Liquid Fuels 
Capacity, 103 
bbls/d gasoline 
equivalent 
Electric 
Capacity, MWe 
(% energy out) 
% 
feedstock 
C stored as 
CO2 
TPC + 
OC, 
$106 GHGI 
CTGcoprod 0 14.9 314 (27) 64 2460 0.57 
CTGmax 0 23.8 14.4 (1.1) 49 2460 0.97 
IGCC 0 0 807 (100) 88 2460 0.15 
Sub-critical PC (post-
combustion retrofit) 0 
0 398 (100) 90 860 0.23 
Ultra-SC PC (advanced 
oxy-combustion) 0 
0 549 (100) 95 1490 0.046 
NGCC-V 0 0 560 (100) 0 393 0.56 
CBTGcoprod-24% 1.0 (0.71) 14.9 338 (28) 65 2760 0.17 
CBTGmax-39% 1.0 (0.77) 13.8 12.3 (1.5) 53 1810 0.17 
